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Abstract
The objective of this study is to perform laboratory measurements and CO2 underground
storage study to cover the knowledge gap on CO2-Brine relative permeability and assess various
variables on the storage of CO2 in a selected aquifer. Several factors that affect CO2 storage have
been discussed in the literature. These include both macroscopic and microscopic displacement
efficiency of brine as a function of CO2 pore volume injected. It is clear from the literature that
there is still more work needed to investigate the effect of various variable such as formation
temperature, brine viscosity, and possible presence of free gas in the aquifer on the CO2 storage
efficiency of the selected aquifer.
Experimental tests were conducted on four carbonate-limestone core samples to determine
the capillary pressure curves and to conduct CO2 flooding into 100% brine saturated core samples.
Each core sample has with different brine salinity. Flooding tests were conducted at constant
injection pressure yet, the injection temperature for each core sample was different. Brooks-Corey
correlation was used to obtain the relative permeability curves of CO2 -Brine system. Using
experimental results of capillary pressure, modified Ritter and Drake correlation was used to
determine the pore throat size distribution.
This thesis research shows the results of limestone core flooding tests and CO2 flooding
of an aquifer runs obtained using Petroleum Solution software to evaluate the effect of brine
viscosity, temperature, gas saturation on aquifer CO2 storage capacity (storage factor). The results
revealed that the CO2 storage capacity increases as temperature increase because of thermal
effects. Whereas, as the gas saturation increases, the storage capacity of the selected zone
decreases. In addition to that, the flooding runs showed that relatively high viscosity brine aquifer
hider the CO2 storage capacity of the reservoir.
Keywords: Relative Permeability, Enhanced Oil Recovery, CO2 Flooding, Capillary Pressure,
CO2 Storage Factor, Brine Saturation, Brine Salinity, Irreducible Water Saturation (Swirr),
Drainage Displacement, Wettability.

viii

)Title and Abstract (in Arabic

اﻟﺘﺨﺰﯾﻦ اﻟﻤﺤﺘﻤﻞ ﻟﺜﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ طﺒﻘﺔ اﻟﻤﯿﺎه اﻟﻤﺎﻟﺤﺔ :ﺗﻘﺪﯾﺮ ﻣﻌﺎﻣﻞ اﻟﺘﺨﺰﯾﻦ
اﻟﻤﻠﺨﺺ
اﻟﮭﺪف ﻣﻦ ھﺬه اﻟﺪراﺳﺔ ھﻮ إﺟﺮاء اﻟﻘﯿﺎﺳﺎت اﻟﻤﺨﺘﺒﺮﯾﺔ ودراﺳﺔ اﻟﺘﺨﺰﯾﻦ ﺗﺤﺖ اﻷرض ﻟﺜﺎﻧﻲ أﻛﺴﯿﺪ
اﻟﻜﺮﺑﻮن ﻟﺘﻐﻄﯿﺔ اﻟﻔﺠﻮة اﻟﻤﻌﺮﻓﯿﺔ ﺣﻮل اﻟﻨﻔﺎذﯾﺔ اﻟﻨﺴﺒﯿﺔ ﻟﺜﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن وﻣﺤﻠﻮل ﻣﻠﺤﻲ وﺗﻘﯿﯿﻢ اﻟﻤﺘﻐﯿﺮات
اﻟﻤﺨﺘﻠﻔﺔ ﻋﻠﻰ ﺗﺨﺰﯾﻦ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ طﺒﻘﺔ اﻟﻤﯿﺎه اﻟﺠﻮﻓﯿﺔ اﻟﻤﺨﺘﺎرة .ﺗﻤﺖ ﻣﻨﺎﻗﺸﺔ اﻟﻌﺪﯾﺪ ﻣﻦ اﻟﻌﻮاﻣﻞ
اﻟﺘﻲ ﺗﺆﺛﺮ ﻋﻠﻰ ﺗﺨﺰﯾﻦ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ اﻷدﺑﯿﺎت .وھﻲ ﺗﺸﻤﻞ ﻛﻼً ﻣﻦ ﻛﻔﺎءة اﻹزاﺣﺔ اﻟﻤﺠﮭﺮﯾﺔ
واﻟﻤﯿﻜﺮوﺳﻜﻮﺑﯿﺔ ﻟﻠﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ﻛﺪاﻟﺔ ﻟﺤﺠﻢ ﻣﺴﺎم ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن اﻟﻤﺤﻘﻮن .ﯾﺘﻀﺢ ﻣﻦ اﻷدﺑﯿﺎت أﻧﮫ ﻻ
ﯾﺰال ھﻨﺎك اﻟﻤﺰﯾﺪ ﻣﻦ اﻟﻌﻤﻞ اﻟﻤﻄﻠﻮب ﻻﺳﺘﻘﺼﺎء ﺗﺄﺛﯿﺮ اﻟﻤﺘﻐﯿﺮات اﻟﻤﺨﺘﻠﻔﺔ ﻣﺜﻞ درﺟﺔ ﺣﺮارة اﻟﺘﻜﻮﯾﻦ ،وﻟﺰوﺟﺔ
اﻟﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ،واﺣﺘﻤﺎل وﺟﻮد ﻏﺎز ﺣﺮ ﻓﻲ اﻟﺨﺰان اﻟﺠﻮﻓﻲ ﻋﻠﻰ ﻛﻔﺎءة ﺗﺨﺰﯾﻦ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ
اﻟﺨﺰان اﻟﺠﻮﻓﻲ اﻟﻤﺤﺪد.
أﺟﺮﯾﺖ اﺧﺘﺒﺎرات ﺗﺠﺮﯾﺒﯿﺔ ﻋﻠﻰ أرﺑﻊ ﻋﯿﻨﺎت أﺳﺎﺳﯿﺔ ﻣﻦ اﻟﺤﺠﺮ اﻟﺠﯿﺮي اﻟﻜﺮﺑﻮﻧﻲ ﻟﺘﺤﺪﯾﺪ ﻣﻨﺤﻨﯿﺎت
اﻟﻀﻐﻂ اﻟﺸﻌﺮي وﻹﺟﺮاء ﻏﻤﺮ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ ﻋﯿﻨﺎت اﻟﻘﻠﺐ اﻟﻤﺸﺒﻌﺔ ﺑﺎﻟﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ﺑﻨﺴﺒﺔ .٪100
ﻛﻞ ﻋﯿﻨﺔ أﺳﺎﺳﯿﺔ ﻟﺪﯾﮭﺎ ﻣﻠﻮﺣﺔ ﻣﻠﺤﯿﺔ ﻣﺨﺘﻠﻔﺔ .أﺟﺮﯾﺖ اﺧﺘﺒﺎرات اﻟﻐﻤﺮ ﻋﻨﺪ ﺿﻐﻂ ﺣﻘﻦ ﺛﺎﺑﺖ ،ﻟﻜﻦ درﺟﺔ ﺣﺮارة
اﻟﺤﻘﻦ ﻟﻜﻞ ﻋﯿﻨﺔ ﻟﺒﯿﺔ ﻛﺎﻧﺖ ﻣﺨﺘﻠﻔﺔ .ﺗﻢ اﺳﺘﺨﺪام ارﺗﺒﺎط  Brooks-Coreyﻟﻠﺤﺼﻮل ﻋﻠﻰ ﻣﻨﺤﻨﯿﺎت اﻟﻨﻔﺎذﯾﺔ
اﻟﻨﺴﺒﯿﺔ ﻟﻨﻈﺎم ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن -ﻣﺤﻠﻮل ﻣﻠﺤﻲ .ﺑﺎﺳﺘﺨﺪام اﻟﻨﺘﺎﺋﺞ اﻟﺘﺠﺮﯾﺒﯿﺔ ﻟﻠﻀﻐﻂ اﻟﺸﻌﺮي ،ﺗﻢ اﺳﺘﺨﺪام
ارﺗﺒﺎط رﯾﺘﺮ ودرﯾﻚ اﻟﻤﻌﺪل ﻟﺘﺤﺪﯾﺪ ﺗﻮزﯾﻊ ﺣﺠﻢ اﻟﺤﻠﻖ اﻟﻤﺴﺎﻣﻲ.
ﯾﻤﺜﻞ ھﺬا اﻟﺒﺤﺚ ﻧﺘﺎﺋﺞ اﺧﺘﺒﺎرات اﻟﻐﻤﺮ اﻷﺳﺎﺳﯿﺔ ﻟﻠﺤﺠﺮ اﻟﺠﯿﺮي وﻓﯿﻀﺎن ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻟﻄﺒﻘﺎت
اﻟﻤﯿﺎه اﻟﺠﻮﻓﯿﺔ اﻟﺘﻲ ﺗﻢ اﻟﺤﺼﻮل ﻋﻠﯿﮭﺎ ﺑﺎﺳﺘﺨﺪام ﺑﺮﻧﺎﻣﺞ ﺑﺘﺮوﻟﯿﻮم ﻟﺘﻘﯿﯿﻢ ﺗﺄﺛﯿﺮ ﻟﺰوﺟﺔ اﻟﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ودرﺟﺔ
اﻟﺤﺮارة وﺗﺸﺒﻊ اﻟﻐﺎز ﻋﻠﻰ ﺳﻌﺔ ﺗﺨﺰﯾﻦ طﺒﻘﺔ اﻟﻤﯿﺎه اﻟﺠﻮﻓﯿﺔ )ﻋﺎﻣﻞ اﻟﺘﺨﺰﯾﻦ( .أوﺿﺤﺖ اﻟﻨﺘﺎﺋﺞ أن اﻟﺴﻌﺔ
اﻟﺘﺨﺰﯾﻨﯿﺔ ﻟﺜﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﺗﺰداد ﻣﻊ زﯾﺎدة درﺟﺔ اﻟﺤﺮارة ﺑﺴﺒﺐ اﻟﺘﺄﺛﯿﺮات اﻟﺤﺮارﯾﺔ .ﺣﯿﺚ إﻧﮫ ﻣﻊ زﯾﺎدة
ﺗﺸﺒﻊ اﻟﻐﺎز ،ﺗﻘﻞ ﺳﻌﺔ اﻟﺘﺨﺰﯾﻦ ﻟﻠﻤﻨﻄﻘﺔ اﻟﻤﺤﺪدة .ﺑﺎﻹﺿﺎﻓﺔ إﻟﻰ ذﻟﻚ ،أظﮭﺮت ﻣﺴﺎرات اﻟﻐﻤﺮ أن طﺒﻘﺔ اﻟﻤﯿﺎه

اﻟﻤﺎﻟﺤﺔ ذات اﻟﻠﺰوﺟﺔ اﻟﻌﺎﻟﯿﺔ ﻧﺴﺒﯿًﺎ ﺗﺨﻔﻲ ﺳﻌﺔ ﺗﺨﺰﯾﻦ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ﻓﻲ اﻟﺨﺰان.

ﻣﻔﺎھﯿﻢ اﻟﺒﺤﺚ اﻟﺮﺋﯿﺴﯿﺔ :اﻟﻨﻔﺎذﯾﺔ اﻟﻨﺴﺒﯿﺔ ،اﻻﺳﺘﺨﻼص اﻟﻤﻌﺰز ﻟﻠﻨﻔﻂ ،ﻏﻤﺮ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن،

اﻟﻀﻐﻂ اﻟﺸﻌﺮي ،ﻋﺎﻣﻞ ﺗﺨﺰﯾﻦ ﺛﺎﻧﻲ أﻛﺴﯿﺪ اﻟﻜﺮﺑﻮن ،ﺗﺸﺒﻊ اﻟﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ،ﻣﻠﻮﺣﺔ اﻟﻤﺤﻠﻮل اﻟﻤﻠﺤﻲ ،ﺗﺸﺒﻊ
ﻧﺰوح اﻟﺼﺮف ،ﻗﺎﺑﻠﯿﺔ اﻟﺘﺒﻠﻞ اﻟﻤﯿﺎه ﻏﯿﺮ اﻟﻘﺎﺑﻞ ﻟﻼﺧﺘﺰال.
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Chapter 1: Introduction
1.1 Overview
Carbon dioxide (CO2) injection is dominate among enhanced oil recovery methods to
maintain oil production rate and reserves. This technique will continue to be applied in the
industry to produce the trapped underground reserves. CO2 is a naturally occurring source of gas
that can be extracted in large quantities and injected into underground formations. Thus, CO2 is
relatively inexpensive.
Injecting Carbon dioxide (CO2) into oil formations has the potential to recover around
15% to 20% of original oil into existing wells. Hence, knowledge of the geologic features, mainly
rocks and fluid characteristics, can influence the oil and gas movement. Better understating of
porosity, permeability and reservoir structural features such as faults can lead to precise estimation
of Original Oil In Place (OOIP). Selection of miscible CO2 injection technique depends on the
geological reservoir geology, oil gravity & viscosity as well as Minimum Miscibility Pressure
(MMP). Basically, identification of how CO2 reacts with trapped oil is required to determine the
miscibility property of CO2. Primarily, CO2 at supercritical pressure and temperature will be
completely miscible with oil (Verma, 2015).
Different CO2 -EOR flooding recovery techniques are conducted depending on the
reservoir geology, rock and fluid properties, production and injection well pattern as well as the
time at which relative water-flooding is considered. Basically, the main two techniques are to
displace trapped oil into production wells. The two techniques are: continuous CO2 injection and
Conventional Water Alternating Gas (WAG) followed with water. The first technique is
considered as primary recovery at which CO2 is continuously injected into the reservoir without
any fluid pumped afterwards. This technique is suitable for medium to light oil reservoirs as well
as strongly water-wet reservoirs which are water-sensitive to water-flooding. Whereas, Water
Alternating Gas (WAG) technique is conducted by injecting the volume of CO2 in cycles,
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followed by equal volumes of water. The injected water aids in improving the CO2 sweeping
efficiency, leading to a reduction in CO2 channeling across the reservoir (Verma, 2015).
Several researchers provided technical information related to CO2-EOR method
describing the relative permeability of fluids in CO2/Oil system. Although, over the last decade,
not much data covering the CO2-Brine relative permeability can be found in the published
literature. Therefore, it is evident that more experiments are needed to cover this knowledge gap
on CO2-Brine relative permeability. This proposed experimental work will be performed
employing unsteady state experimental approach, and investigate different experimental
parameters such as temperature, pressure, brine concentration and composition, pore size
distribution, and injection rate effect on the measurements of CO2-Brine relative permeability.
established to determine initial brine and residual CO2 saturations, as well as relative permeability
of the flow system. In addition, several factors were included, such as flow distribution across the
reservoir and phase composition of CO2/Brine system (Verma, 2015).
1.2 Problem Statement
Oil reservoirs follow a series of production stage with time. The first stage highly depends
on the natural differential pressure between surface and underground well. This stage is called
primary technique. Basically, in primary stage the reservoir produces naturally without any at
intervention. Over time, due to a decline in oil production, efficient techniques are implemented
to recover trapped oil in the reservoir. Those alternative methods are implemented, such as
Enhanced Oil Recovery (EOR) techniques which can provide around 30 to 60 % or even more of
the reservoir’s original oil in place. Commercial EOR methods are implemented in the oil and gas
industry to extract more oil, which highly depends on the reservoir characteristics as well as the
long-term field life of mature hydrocarbon resources (Andrei et al., 2010).
CO2 injection into underground formations has been practiced for several years in the oil
and gas industry. This is because using CO2 injection as Enhanced Oil Recovery (EOR) technique
to enhance oil recovery factor at the final phase of the reservoir life and thus extend the production
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life. Injecting CO2 in supercritical phase can flow through the porous and permeable zones and
thus releasing the trapped oil into the producer well. Moreover, fraction of the injected CO2 will
be stored underground which has direct environment benefit (Andrei et al., 2010).
Although CO2 has been employed in enhanced oil recovery, not much data covering the
CO2-Brine relative permeability can be found in the published literature. The limited studies
available reported broad ranges for CO2 relative permeability in typical sedimentary rocks, such
as Berea sandstone, dolomite, and others. No detailed experimental data covering limestone rocks
are available for researchers. Therefore, it is evident that more experiments are needed to cover
this knowledge gap on CO2-Brine relative permeability. This proposed experimental work provide
unsteady state experimental approach to investigate the capillary pressure, relative permeability
as well as wettability indication of CO2/Brine system.
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Chapter 2: Literature Review
2.1 EOR Applications / Recovery Mechanisms
Production of hydrocarbons is typically implemented in two or three economically
feasible phases: primary, secondary and tertiary recovery. Initial recovery from oil-bearing
formation is accomplished by nature reservoir energy. The main sources of natural reservoir
energy that lead to primary production include the difference in reservoir pressure and bottomhole pressure, which forces the oil to flow from the reservoir into the well then, to the surface. In
addition, communicating nearby water aquifers and gravity drainage could help to displace the
hydrocarbons with natural energy. The primary recovery classification could also include gas lift
and pumping to maintain the production when the reservoir energy has been depleted. The
recovery factor of the primary recovery is around an average of 5-25% of OOIP (Original Oil In
Place). This typical range can vary based on the geological characteristics of the reservoir and
reservoir pressure (Andrei et al., 2010).
EOR techniques have been lumped into categories: secondary and tertiary recovery
techniques. As the primary recovery techniques are no longer feasible and effective, those
techniques provide additional energy to produce hydrocarbons from reservoirs. Secondary
recovery is the attempt to supply energy from an external source to maintain or increase the
reservoir pressure. Typical techniques used in the industry are water flooding, or natural gas
referred to as gas flooding. The use of this technique is to inject into the reservoir re-pressurize
the reservoir pressure and maintain it at high pressure. The recovery factor of this technique
depends on the oil and reservoir characteristics. The typical range of recovery factors is between
6-30% of OOIP (Original Oil In Place) (Andrei et al., 2010).
The purpose of the tertiary recovery is to displace the residual oil saturation left behind
that cannot be displaced or produced through secondary techniques. Enhanced Oil Recovery
(EOR) applications are conducted in oilfields approaching the end of their life. Tertiary recovery

5
techniques can be classified as miscible flooding, chemical flooding, and thermal flooding.
Miscible flooding technique involves injecting fluids that are miscible with the reservoir
hydrocarbons, such as carbon dioxide injection under miscible conditions. The gas will mix with
the reservoir oil to lower the viscosity of the oil. This technique will allow the oil to be displaced
from the reservoir. Chemical flooding includes the injection of polymers into the reservoir.
Polymers and additional chemicals to the injected water will generate a combination of phase
behavior change and reduction of Interfacial Tension (IFT) or increasing solution water viscosity.
This technique is unfeasible in the industry due to the high cost of the chemicals and limitations
of temperature. Typically, miscible and chemical flooding are implemented in reservoirs that
contain light crude oil (15-30 API). Whereas, injection of hot water and steam cycling are methods
categorized as thermal flooding. Oil viscosity is reduced as additional heat is injected into the
reservoir to allow oil to be displaced. In reservoirs that contain heavy crude oil (> 30 API), thermal
flooding is considered to be used. Also, the range of tertiary recovery factors differs based on the
type of crude oil. In light crude oil, the range is between 5-15% of OOIP (Original Oil In Place)
and lower in heavy crude oils (Andrei et al., 2010).
2.2 Carbon dioxide (CO2)-EOR Techniques
The carbon dioxide (EOR-CO2) technique is used to extend the field's productive life and
to increase oil production at the end lift of the reservoir. In addition to that, this technique is the
most feasible and attractive technique in the market. This is because CO2 can be captured
inexpensively at the point of combustion in order to mitigate the emission of CO2. Then, the CO2
is stored in underground reservoirs to reduce the CO2 atmospheric emissions.
Carbon dioxide is injected into the oil reservoir passing through the void spaces where no
water is invaded previously, to displace the trapped oil. As CO2 is injected into the reservoir, some
remaining CO2 will be stored underground, this is considered beneficial to the environment. There
are two practical methods to inject CO2 into the oil reservoir depending on the reservoir oil
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characteristics as well as reservoir pressure and temperature. The two methods are miscible and
immiscible displacement (El-hoshoudy & Desouky, 2018).
Miscible displacement employs by injecting CO2 into an oil reservoir at the supercritical
phase to displace the trapped oil reservoir. CO2 will improve the oil recovering by dissolving and
becoming mutual soluble with the trapped reservoir oil as light hydrocarbons from the reservoir
oil will be dissolved. This technique will decrease the interfacial tension between the two fluids
forming a reduction in the viscosity to displace and produce the oil easily. CO2 is injected and
dissolved completely at Minimum Miscibility Pressure (MMP). The Minimum Miscibility
Pressure (MMP) is defined as the lowest pressure at which the injected CO2 and trapped oil
become miscible at constant reservoir temperature and composition. At the MMP, the interfacial
tension is almost zero and an interface exists between the fluids. In cases where the reservoir
pressure is above the MPP, the miscibility can be achieved through multiple-contact or dynamic
miscibility. In this case, the condensed gas-drive process is achieved to allow two phases to
become miscible without an interface (El-hoshoudy & Desouky, 2018). This method comprises
of three contacts:
•

First contact: inject miscible solvent to mix with reservoir oil to be in one phase.

•

Vaporizing gas-drive process: inject lean gases or CO2 where intermediate and high
molecular weight hydrocarbons from the reservoir oil to achieve miscibility by in situ
vaporization.

•

Condensing gas-drive process: this stage is achieved through a condensation process
in which in situ intermediate molecular weight hydrocarbons in the solvent are
transferred into the lean reservoir oil.

In the industry, Slimtube is one of the most common test methods conducted in conditions
where the miscible displacement. The purpose of the slim tube is to measure the MMP. The slim
tube test is conducted by injecting the CO2 into a fully oil-saturated slim tube at different pressures
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and rates. As the volume of injected CO2, pressure, and the rate is known, the oil recovery is
obtained during the experiment. Figure 1 shows the oil recovery at a 1.2 pore volume of CO2
injected at each pressure. The recovery increases up to 98% at CO2 breakthrough as the pressure
increases. At some point the pressure starts to be stable, this point can be identified as the
Minimum Miscibility Pressure (MMP). In other words, it is the pressure at which it starts to
deviate and the achieved maximum recovery is set constant. Above the MMP, the displacement
is called multiple contact or dynamic miscible displacement which means the CO2 solvent is no
longer miscible with the oil (PetroWiki, 2015).

Figure 1: Slim tube displacement to determine the MMP

Immiscible displacement is referred to as immiscible flooding where injected gasses are
not completely mixed with the reservoir oil. Immiscible CO2 injection is conducted when the
reservoir pressure is below the MMP or the density of the oil is too high. Meanwhile, CO2
injection can cause the reservoir oil to swell by extracting the lighter components from the oil,
which will reduce the density of the oil. Consequently, the recovery factor can be increased by
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displacing the oil can be displaced and improving the mobility of the oil phase (El-hoshoudy &
Desouky, 2018).
Most EOR projects focus on miscible flooding, although immiscible flooding could be
more efficient. Concerns related to miscible flooding include asphaltene precipitation in the
reservoir or in the piping system. This can occur if an adequate amount of volume is dissolved
into the oil. Asphaltene precipitation can cause reservoir plugging where the pore throat can be
plugged, as well as reducing the flow rate of the wells. This can reduce the oil recovery (NETL,
2010).
2.3 CO2 Displacement
The displacement process of any fluid includes the macroscopic (volumetric
displacement) and microscopic efficiencies. The overall recovery efficiency is the product of the
microscopic and macroscopic efficiencies (Terry & Rogers, 2014; Equation 1).

𝐸𝐸 = 𝐸𝐸𝑣𝑣 × 𝐸𝐸𝑑𝑑

(1)

Macroscopic displacement measures how efficiently the displacing fluid has approached
the oil-bearing zone in the reservoir. The microscopic displacement evaluates the efficiency of
the displacing fluid in mobilizing the trapped oil (Terry & Rogers, 2014).
2.3.1 Macroscopic Displacement
The main factors that could affect the macroscopic displacement efficiency are interfacial
tension, wettability, capillary pressure, and relative permeability (Terry & Rogers, 2014).
2.3.1.1 Interfacial Tension
The interfacial tension is the force of attractions that create an interface at the boundary
between two fluids or rock-fluid. This occurs when a molecule near the interface has relatively
different molecular interactions than the molecules in the bulk fluid. Different chemical agents
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are used to reduce the interfacial tension, such as surfactants. The typical interfacial tension of
oil-brine systems is between 20 to 30 dynes/cm (Terry & Rogers, 2014).
2.3.1.2 Wettability
Wettability is the tendency of a fluid to spread on a solid over another. The solid surface
can be oil-wet or water-wet based on the chemical composition of the fluid and the rock. When
the rock is water-wet, the water is in contact with the solid and the oil is the surrounding phase.
Whereas, the oil-wet is when the oil is in contact with the rock surface. Wettability includes the
measurement of contact angle to determine the degree of wetting between solid and liquid
interaction. Contact angle or the wetting angle can be defined as the angle between the surface of
the liquid and the outline of the contact surface. This angle is the angle that the liquid creates with
a solid surface as in contact when occupied in small porous media. The wetting fluid is the one
that preferentially spreads around the solid surface. Whereas, the other fluid is called the nonwetting fluid (Terry & Rogers, 2014). In a reservoir rock, the rock is preferentially water-wet if
water wets the rock surface. Then, water is in the wetting phase when the contact angle is above
90 degrees. As the contact angle decreases below 90 degrees, the more the reservoir rock is
considered to be strongly water-wet. If the spreading fluid is oil, the rock is preferentially oil-wet.
In this case, the contact angle is above 90 degrees. Moreover, when the contact angle is equal to
90 degrees, the reservoir rock is considered to be neutral-wet when both fluids tend to wet the
rock surface (Glover, 2015).
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Figure 2: Wetting angles for different wetting phases
Wettability alteration is an important factor that needs to be approached in Enhanced Oil
Recovery techniques (EOR). In most oil reservoirs, the rock is more to be water-wet before oil
migrate. Hence, several factors can change the wetting state of the rock. The main factors include
the composition of oil, water, and rock as well as the reservoir pressure and temperature can affect
the wettability. Moreover, wettability has a great influence on the relative permeability, capillary
pressure, and residual saturations. Oil displacement by CO2 injection can trigger the wettability
in which the CO2 front or oil bank can move the water in contact with the rock surface if mobile
leaving behind residual oil. Also, injected CO2 can alter the equilibrium condition of the reservoir
hydrocarbons which can cause asphaltene precipitation. The precipitation can alter the wettability
and affect oil recovery. Asphaltene precipitation near the wellbore can decrease the productivity
of the well. therefore, any change in oil composition can change the wettability from natural
water-wet to oil-wet because the components of the oil phase are changing. The temperature,
pressure, and composition of crude oil can disturb the stability of asphaltene (Abdallah et al.,
2007).
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2.3.1.3 Relative Permeability
Permeability is a measure of the ability of the fluid to flow through a porous rock for a
specified pressure drop. Thus, permeability describes a rock property and it is independent of fluid
type. This indicates permeability is highly dependent on the geometry of the pore network. Based
on Darcy’s law, an empirical Equation that describes a laminar flow of incompressible fluids
relates the flow rate of a fluid with known viscosity to a pressure gradient that is proportional to
permeability. Therefore, permeability is applied only to flow when the pores of the rock are
saturated 100% of a single fluid. The permeability of a single fluid is called absolute permeability.
Usually, permeability is typically expressed in Darcy (D) or milli-darcy (mD). Equation 2 shows
a steady-state flow Equation in which absolute permeability can be calculated (Honarpour et al.,
1992).
𝑞𝑞 =

𝐾𝐾𝐾𝐾 ∆𝑃𝑃
𝜇𝜇 𝑑𝑑𝑑𝑑

(2)

Where;
q: flow rate; bbls/day
k: permeability, mD
A: cross sectional area; ft2

In petroleum reservoirs, porous media are not fully saturated with a single-phase, different
fluids may occupy the porous media such as gas, oil, and water. therefore, in a multiphase system,
it is essential to measure the capability of each phase to flow through porous media in the presence
of another phase. Thus, relative permeability is used to describe the concept of multiphase flow
in the reservoirs. Relative permeability is defined as the ratio of the effective permeability of fluid
to the absolute permeability of the rock. Effective permeability is a measure of the flow capability
of that phase in the presence of other fluids. For example, the effective permeability of the oil
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phase is to measure the flow capability of oil in the presence of water or both water and gas phases
(Honarpour et al., 1992).
Relative permeability measurements are conducted in core samples in a laboratory to study
the flow behavior of fluids in the reservoir. In a single-phase system, dry gas, or under-saturated
oil reservoirs, the effective permeability of the mobile fluid that flows through the reservoir does
not change. This is because the fluid saturation did not change. Hence, when more the fluid in the
reservoir is mobile, the effective permeability will change in which the fluid saturation in the
reservoir will change (Honarpour et al., 1992).
Laboratory experiments are conducted to gather relative permeability data to predict the
productivity, injectivity, and ultimate recovery of the reservoirs to evaluate the reservoir and use
it for simulation studies to plan further enhanced oil recovery techniques to improve the recovery
of hydrocarbons from the reservoir. In addition, the data can be used to diagnose formation
damage expected during production operation conditions (Honarpour et al., 1992).
As will be explained later, the objective of the laboratory experiment is to study the
relative permeability of CO2/Brine flow systems. Typically, researchers used two methods to
measure the drainage and imbibition relative permeability under different flow, pressure, and
temperature conditions. The two methods are steady and unsteady states. To experiment, a CT
scanner is used to measure the saturation of in situ fluids. The porosity of the Sandstone core
samples was measured using Boyle’s law and X-ray imaging technique. Also, the absolute
permeability of the brine was measured (Akbarabadi & Piri, 2013).
In the first category of the sandstone core samples, the unsteady-state method was
conducted to measure the drainage and imbibition relative permeability. The experimental test
was conducted at an ambient temperature and 3.46 MPa. The flow rate was increased gradually
until the maximum value is reached. Before any test, the core samples were fully saturated with
brine (Sw =1). Basically, at the drainage process, the gaseous CO2 was injected at maximum flow
rate into the core samples till the maximum flow rate reached and obtained less than 1% in the
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variation of pressure drop and saturation distribution across the core sample. The brine saturation
at this stage is reported at initial brine saturation for the imbibition brine injection process.
Moreover, in the imbibition stage, the flow rate of the injected brine is gradually increased this
reached the maximum flow rate which was 0.375 cm3/min in 0.025 cm3/min incremental. The
residual gaseous CO2 saturation of the core sample is scanned and reported (Akbarabadi & Piri,
2013).
In the second group of the core sample, the steady-state method was performed. In this
experiment, the test was conducted on sandstone core samples at high pressure and temperature,
11 MPa and 55 degrees Celsius respectively. At this condition, the state of CO2 will be
supercritical. First, the drainage experiment was carried out followed by the brine floods.
Typically, the viscosity and density of critical saturation of CO2 are higher than the gaseous CO2.
Therefore, the maximum flow rate reached during the test was 20 cm3/min. At this stage, several
cycles of drainage and imbibition flow experiments were performed to obtain the relative
permeability curves at a different range of flow rates. Before any cycle, the core samples were
fully saturated with brine at the initial condition (Sw = 1). In the drainage process, the CO2
displaces the brine till CO2 critical saturation (SCCO2) is reached. The saturation at each cycle
differs, for example, at the end of the drainage process, CO2 critical saturation (SCCO2) is equal to
0.475 which leads to 0.525 brine saturation for the imbibition process. For each cycle, the pressure
drop crosses the core sample and the in situ fluid saturation is recorded after reaching steady-state
(Akbarabadi & Piri, 2013).
The observations of unsteady-state at drainage process indicate that the CO2 critical
saturation (SCCO2) increases sharply at lower flow rates. However, at high flow rates, SCCO2
gradually starts to stabilize. The reason behind this phenomenon is that it becomes harder for the
brine to be displaced in smaller pores and fractures as the brine saturation decreases. Furthermore,
in the steady-state experiment, the results of relative permeabilities for drainage and imbibition
flow tests are shown in Figure 2 for a sandstone core sample at two separate experiments
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performed. In each cycle of drainage and imbibition flow test, the different saturation level of
initial water saturation was established. In the first cycle, the initial water saturation is equal to 1.
Hence, in the second cycle, the initial water saturation is approximately equal to 0.525. As shown
in the Figure, at initial water saturation equal to 0.525, the SCCO2 is around 0.475. In the drainage
flow test, the brine relative permeability shows a rapid decline in brine saturation. This is due to
the rapid invasion by the SCCO2 which can reduce the brine hydraulic conductivity of the core
sample. Hence, a gradual increase in relative permeability at drainage flow reaching 0.2 at brine
saturation of 0.53. Moreover, in the imbibition flow test that is performed after the drainage flow
test, the residual SCCO2 was found to be 0.34. This is about 72% of the initial brine saturation. It
is also observed; the imbibition flow test relative permeability results are higher than its drainage
flow test. This might be due to the pore-level displacement physics which is related to the redistribution of fluids between floods (Akbarabadi & Piri, 2013).

Figure 3: Relative permeability curves for sandstone core sample
2.3.1.4 Capillary Pressure
Capillary pressure is the difference in pressure across the interface between two miscible
fluids. To demonstrate capillary pressure, a capillary tube contains two immiscible fluids; oil and
brine. The brine will be at the bottom of the tube because the density of brine is higher than oil.
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The pressure in the oil phase above the interface will be slightly greater than the pressure in the
brine phase. This pressure is referred to as capillary pressure. Typically, the highest pressure
coexisting in a phase is considered as a non-wetting phase (Terry & Rogers, 2014). Capillary
pressure is expressed as shown below in Equation 3:
𝑃𝑃𝑐𝑐 =

9.519(10−7 )𝜎𝜎𝑤𝑤𝑤𝑤 𝑐𝑐𝑐𝑐𝑐𝑐𝑐𝑐
𝑟𝑟𝑐𝑐

(3)

Where;
Pc : capillary pressure, psi

σwo : oil-brine interfacial tension, dynes/cm
θ: contact angle

rc : radius of capillary, feet

The factors that can affect the capillary pressure in a porous medium are the chemical

composition of rock and fluids, pore-size distribution of grains, and saturation of the fluid
occupied in the pores. Therefore, during drainage and imbibition displacement alternative values
of capillary pressure are obtained to generate the capillary pressure hysteresis and estimate the
rock-fluid system (Terry & Rogers, 2014).
Numerical simulations and experimental methods are done to obtain the capillary pressure
curve for the coquina rock sample, as shown in Figure 3. Primary drainage displacement of water
by oil till the connate water saturation is reached. Prior to primary drainage, the rock is in waterwet condition, this is because the rock is fully saturated with brine and no oil exists in the core
sample. In Figure 3, the connate water saturation (Swi) obtained through the experimental method
is approximately around 0.089. Good agreement is shown between the corresponding
experimental and simulated capillary pressure curves (Drexler et al., 2020).
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Figure 4: Capillary pressure curves for coquina sample

After drainage displacement, water is displaced by oil (imbibition displacement) to
determine the residual oil saturation. As a consequence, the relative permeability curve is obtained
as shown in Figure 4. Two different water were used in the experiment at drainage displacement:
formation brine and carbonated brine. The purpose of using two types of different brine salinity
is to study the effect of the water injection and carbonated brine injection on relative permeability
curves. As shown a positive impact of carbonated brine injection on relative permeability curve.
Due to the fact that the crossover point is shifted toward the higher water saturation. This indicates
an increase in wettability toward the water; predominantly, increasing saturation of the wetting
phase. In addition, the endpoint of the relative permeability to water is reduced in carbonated brine
injection. Consequently, the injection of carbonate brine increases the flow capacity of the oil
phase as observed from the obtained relative permeability curves (Drexler et al., 2020).
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Figure 5: Imbibition relative permeability curves for coquina sample

2.3.2 Microscopic Displacement
The main factors that affect the microscopic displacement efficiency are reservoir
heterogeneity and mobility of displacing phase with mobility of displaced phase (Terry & Rogers,
2014).
Reservoir heterogeneity in such variation of porosity, permeability, and clay cement can
cause non-uniform flow distribution of the displacing phase. Also, in naturally fractured
reservoirs, fluids will try to escape and travel through the fractures due to high permeability
streaks leading to early breakthroughs leaving behind plenty of trapped reservoir fluid. Variation
in both vertical and horizontal permeabilities, affect the sweep efficiency across the reservoir.
Mainly, the vertical and areal efficiency will be reduced. In permeability stratification, the
displacing phase sweeps faster in high permeability zones leaving behind that much of oil in less
permeable zones (Terry & Rogers, 2014).
Mobility is the ratio of effective permeability to fluid viscosity. Basically, it measures how
flow can flow easily through porous media. The mobility of the displacing phase is measured
when the injected fluid starts to displace the oil reservoir and begins to break through at the
production. Basically, it is measured the average displacing phase saturation. Whereas, the
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mobility of the non-displacing phase is measured before the injection of the displacing phase. It
is measured at the displacing phase saturation (Terry & Rogers, 2014).
Viscous fingering is a phenomenon that occurs when the interface of two fluids bypass
zones of the reservoir creates an uneven sweep or fingered profile across the reservoir. Mainly, it
occurs when the mobility of the displacing phase is greater than the mobility of the displaced
phase. This subject can be resolved by the arrangement of production and injection wells which
depend on the geology of the reservoir. Understanding the permeability effects and heterogeneity
of the reservoir can support the planning of the arrangement of the wells to avoid poor sweep
efficiency during flooding (Terry & Rogers, 2014).
2.4 CO2 Supercritical
Supercritical CO2 injection is considered as one method of recovering trapped oil in the
reservoir. This method is categorized as a tertiary recovery technique. CO2 can be mixed and
dissolved with oil (miscible fluids) at reservoir conditions. Consequently, injection of CO2
reduces the viscosity of oil and allows the remaining oil in the reservoir to be displaced and flow
easily. The amount of recovered oil depends to a large extent on the geological reservoir
conditions (pressure and temperature), and oil compositions. The main benefit of CO2 injection is
that the CO2-produced oil can be separated and re-injected in the reservoir. Supercritical fluids
are physically similar to liquids or gases. So, supercritical CO2 density is similar to liquid phases
and the mobility is more often compared to gas phases. Carbon dioxide becomes supercritical
under certain temperature and pressure conditions. The temperature and pressure should be above
31.1°C and 7.38 Mpa respectively. At those conditions, the injected CO2 is maintained in a dense
state and its buoyancy in the reservoir will be reduced. Figure 6 shows the effect of temperature
and pressure on CO2 density (Whittaker & Perkins, 2013).
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Figure 6: Density of carbon dioxide in relation pressure and temperature

During the application of CO2 injection, dense CO2 contacts the reservoir oil in which the
CO2 is mixed with the reservoir oil so that the oil can be dissolved. Repeated contact of CO2 with
oil can mix to become a single phase. This is because mixing between fluids oil and CO2 does
not happen instantly. This type of CO2 flood is called miscible flooding. As mentioned earlier,
miscibility can cause the oil to swell to become less viscous to enhance the mobility of the oil
through the reservoir pores. In CO2 flooding, to maintain the oil- CO2 miscibility to achieve an
effective outcome which increases the oil recovery. Therefore, Minimum Miscibility Pressure
(MMP) needs to be identified and confirmed through laboratory analyses for any particular
reservoir. Usually, during CO2 flooding, the design is implemented at a condition where reservoir
pressure is above the MMP. In case the pressure during the flooding operation dropped below
MMP, lighter hydrocarbon components in the oil will be produced which might cause the residual
oil to be more viscous and difficult to recover at a further stage. Typically, producing lighter
components of the oil will increase the potential of asphaltene and waxes to be formed and
precipitated in the reservoir. As discussed earlier, precipitation of heavy hydrocarbons can plug
the pores and small connecting channels of the reservoir (Whittaker & Perkins, 2013).
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The density of supercritical CO2 is slightly lower than oil and water, so the buoyancy
effect will be established in the reservoir as CO2 is injected. This will provide a smooth front of
CO2 to sweep the trapped oil in the reservoir. The main factors that affect the sweeping efficiency
of CO2 distribution are porosity and permeability. Reservoir heterogeneity plays a major role in
sweep efficiency. Therefore, in reservoirs with small-scale heterogeneities, CO2 will disperse and
increase the contact region between CO2 and oil. Hence, at larger scale heterogeneities, may
channel the CO2 flow path in which reservoir sweep will be reduced. Basically, in CO2 flooding
modeling, the reservoir heterogeneities, relative permeability, and wettability need to be studied
and analyzed to determine the CO2 injection rates, sweeping efficiency, and reservoir pressure
management (Whittaker & Perkins, 2013).
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Chapter 3: Methodology
3.1 Core Cut Machine
It is essential to have the cylindrical shape of the core sample of the rock before the
experiment. A machine is used to cut the core taken from the side of drilled well into a perfect
shape. This machine is from the “Wiltion” company, it can cut the rock into cylindrical core
samples for experimental analysis. The typical measured diameter and length of the core sample
are 1 inch and 3 inches respectively.
3.2 Cleaning Samples (Stark and Dean Method)
Four carbonate–limestone core samples were selected from a well in Bu Hasa field. The
four core samples used in the experiment namely, 9A, 12A, 13A, and 14A. Figure 7 shows the
core samples where minor vuggs are shown. The first step of the experiment is to clean the core
samples through the Sohexle system. Toluene fluid is used to extract the hydrocarbons saturated
within the cores. Whereas, methanol vapor is used to extract salts from the core sample. After,
leaving the cores in the system for two to three days, the cores are fully empty with no fluid
occupied.

Figure 7: Experimental core samples
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Afterward, the samples were taken to the oven to dry the samples. When using the
equipment, it is necessary to set the time that you want the oven to work at. Also, ensure the
window of the oven is closed. After the setting time, open the oven and check the core samples
are dried. In case, the samples are still wet, then set another time to completely dry the samples.
Accordingly, once the core samples are dried, it means the core samples are clean now and the
weight of each sample can be measured to know the dry weight.
3.3 Core Dimensions
The length and the diameter of four carbonate core samples were measured using a caliper
instrument. Three different measurements were taken for length and diameter. Then, the average
length and diameter for each sample were measured. Table 1 shows the average length and
diameter of the four samples.

Table 1: Core sample dimensions
Core Sample ID

Length (cm)

Diameter (cm)

9A

5.156

3.812

12A

4.970

3.811

13A

5.106

3.809

14A

5.091

3.809

3.4 Liquid Permeability and Porosity Measurements
The Poro-Perm apparatus is designed to measure the porosity and permeability of a core
sample. To measure the porosity of the core sample, nitrogen gas is pumped into the dry core
sample to measure the pore volume of the sample. The average diameter and length as well as dry
weight of the sample is entered into the software. As the pore volume is determined for each core
sample, the porosity is measured using Equation 4.
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∅=

Where;

𝑉𝑉𝑝𝑝

𝑉𝑉𝑏𝑏

(4)

× 100

∅: porosity; %

Vp: pore volume; cubic centimeter
Vb: bulk volume; cubic centimeter

Moreover, the permeability of the core sample is measured by injecting nitrogen gas into
the core sample and applying overburden pressure to 400 psi. Differential pressure across the core
sample is monitored till it stabilizes. The permeability of the core sample to N2 gas is given by
the software. Porosity and permeability for each core sample are shown below in Table 2.

Table 2: Rock properties of core samples
Core Sample ID

Porosity Air (%)

Porosity Water (%)

Permeability (mD)

9A

16.79

10.71

28.70

12A

13.68

8.43

30.07

13A

13.66

5.80

35.60

14A

17.00

14.54

64.08

3.4 Brines Preparation
The initial stage prior to brine saturation is to prepare the brine at different salinity. Four
different brine salinities were prepared for four different core samples. Raw Sodium Chloride
(NaCl) and water were stirred and mixed together to achieve the required salinity. Different grams
of Sodium Chloride were mixed with respective liters of water as shown in Table 3. Later on, a
pycnometer is used to measure the density of the prepared brine. The pycnometer density is
50.1067 mL. Moreover, Figure 8, shows the experiment conducted to prepare the grams of
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Sodium Chloride (NaCl) to be poured into the water and stirred. Below is the procedure
implemented to prepare the brines:
1- Prepare NaCl salt as per the respective salinity of the brine as shown in Table 3.
Table 3: Brine salinity for each core sample
Proposed salinity (ppm)
50,000
100,000

NaCl salt (grams)
100
150

13A

200,000

200

14A

250,000

250

12A

Core Sample ID
9A

2- Add 1 Liter of distilled water into container. Place the funnel above the container and
add the salt.
3- Stir the mixture (salt & distilled water) and wait till homogenous fluid is achieved.

Figure 8: Brine mixing apparatus
4- Perform degassing for the brine using hose and vacuum pump.
5- Place the prepared brine in a container and write the brine’s name.
3.5 Vacuum and Pressure Method Saturation
The purpose of this experiment is to saturate the core samples with different brine salinity.
The vacuum and pressure method was used to evacuate and saturate core samples with brine. The
equipment used in this experiment is Saturator. This experiment is done prior to capillary pressure
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measurement as well as carbon dioxide (CO2) flooding. The core is placed inside the cylinder to
saturate the core sample with brine at respective salinity under pressure. A vacuum pump is
attached to the cylinder to extract air occupied in the core sample. After that, saturating pressure
is applied to saturate the core sample fully with brine. Figure 9 shows the Core Saturator
equipment.

Figure 9: Vacuum and pressure apparatus

3.6 Porous Plate Technique
The porous plate technique is a method used to desaturate the core sample by displacing
brine into the air under pressure. The purpose of this method is to measure the irreducible water
saturation (Swirr) and capillary pressure. Initially, each core sample is fully saturated with brine
in which the weight of the sample is known. The desaturation stage starts by placing all the core
samples into the porous place and setting the pressure to 3 psi. Every twenty-four hours, the weight
of the core samples was measured till the weight of each sample is stabilized. Then, the
desaturation continues by increasing the pressure in stages and the sample is weighted to
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determine the loss of brine. This technique is continued till 106 psi at which no more weight loss
is observed. The state at which no more brine can be displaced from the core sample is called
irreducible water saturation.
3.7 Carbon Dioxide Flooding
In this research, CO2 was used in the experiment to flood four core samples with different
brine salinity systems. The conditions of CO2 flooding are shown below in Table 4. During the
experiment, CO2 is being injected at the supercritical phase at which temperature and pressure
should be above 31.1°C and 7.38 Mpa respectively. The flooding conditions were conducted at
different temperatures yet, at constant injection pressure.

Table 4: CO2 flooding conditions
Condition

Flooding 1

Flooding 2

Flooding 3

Flooding 4

Core sample ID

9A

12A

13A

14A

Brine salinity

50,000

100,000

200,000

250,000

150

200

250

300

1270

1270

1270

1270

(ppm)
Temperature
(Fahrenheit)
Injection pressure
(psi)
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Chapter 4: Experimental Results
In this section of the report, the main findings obtained from laboratory experiments will
be elaborated on and shown. The results include capillary pressure curves of different brine
systems, pore size distribution, CO2 relative permeability curves, and experimental CO2 flooding
tests. Also, this section of the report include simulation runs that were conducted for different
temperature, gas-specific gravity, and brine viscosity to obtain the brine recovery and CO2 storage
factor. Therefore, based on the results obtained a detailed description will be provided to explain
the flow mechanism of the CO2/Brine system.
4.1 Capillary Pressure
Based on the porous plate experiment conducted, Tables 8 – 11 in Appendix A shows the
pump pressure and brine weight loss for four core samples. As shown, the maximum pump
pressure to be reached using a porous plate is 106 psi. Therefore, at 106 psi, the irreducible brine
saturation (Swirr) is achieved. Moreover, Figures 10 – 13 show the capillary pressure curves for
four core samples at the drainage flow experiment where air displaces brine.

Pc: Capillary pressure (psig)

Pc Versus Sw Sample 9A
120
100
80
60
40
20
0
0.0%

20.0%

40.0%

60.0%

80.0%

100.0%

120.0%

Sw: Brine saturation
Figure 10: Primary drainage capillary pressure curve at 50,000 ppm brine salinity
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Pc: Capillary presssure (psig)

Pc versus Sw Sample 12A
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Figure 11: Primary drainage capillary pressure curve at 100,000 ppm brine salinity

Pc: Capillary pressure (psig)

Pc versus Sw Sample 13A
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Figure 12: Primary drainage capillary pressure curve at 200,000 ppm brine salinity
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Pc : Capillary Pressure (psig)

Pc versus Sw Sample 14A
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Figure 13: Primary drainage capillary pressure curve at 250,000 ppm brine salinity
4.1.1 Pore Size Distribution
To validate the results of capillary pressure obtained from a laboratory experiment, a pore
size distribution technique is conducted. Using capillary pressure curves, an approximate pore
size distribution of rocks can be obtained if one of the phase fluids is non-wetting. A rock is
composed of a variety of interconnected pore throat sizes and pore volumes occupied in the pores.
Therefore, the distribution across the formation is an important property that needs to be analyzed
during fluid transport in porous media.
Ritter and Drake's model was used to identify the pores size distribution for each sample.
The model represents the invasion of the non-wetting phase into porous media. Burdine et al.
modified the model and used mercury-injection capillary pressure curves to provide a model
representing the distribution of the pore. Equation 5 is used to calculate the pore size distribution
(Tiab & Donaldson, 2012). As shown, the pore throat size distribution, D(ri) is a function of pore
throat radius (Ri). Figures 14 – 17 show the size of the distribution of the pores for each sample.
Refer to Appendix B for the pore size distribution results.
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𝐷𝐷(𝑟𝑟𝑟𝑟) = �𝑃𝑃𝑐𝑐 ×

Where;

𝑉𝑉𝑝𝑝
𝑟𝑟

𝑑𝑑𝑑𝑑𝑤𝑤

��

𝑑𝑑𝑑𝑑𝑐𝑐

(5)

�

D(ri): is the pore size distribution, meters square
Pc: capillary pressure, dynes/cm3
Vp: pore volume, cm3
r: pore radius, microns
dSw/dPc: hyperbola derivative of inlet saturation and inlet capillary pressure, dynes/cm3
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Figure 14: Pore entry size distribution for core sample 9A

9

31
Pore Size Distribution Sample 12A
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Figure 15: Pore entry size distribution for core sample 12A

Pore Size Distribution Sample 13a
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Figure 16: Pore entry size distribution for core sample 13A
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Pore Size Distribuition Sample 14A
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Figure 17: Pore entry size distribution for core sample 14A

4.2 Relative Permeability
During CO2 flooding into fully brine saturated core samples, the volume of displaced
water was measured. Additionally, the water and CO2 saturation were obtained. The time and
volume of gas (CO2) breakthrough achieved is recorded. Carbon dioxide (CO2) breakthrough is
when the injected CO2 starts producing from the core sample. After the breakthrough, CO2 and
brine are produced together till the saturation ratio of CO2 starts to rise until no more CO2 is
capable to displace the brine out of the core sample. The time at which no more CO2 is produced
from the core sample represents the residual CO2 saturation. This can be defined as when the CO2
becomes immobile to displace the brine from the core sample. As shown below in Table 5, the
residual CO2 saturation for each respective sample. Refer to Appendix C for the results of the CO2
flooding test.
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Table 5: Residual CO2 saturation obtained during CO2 flooding test
Core Sample ID

Residual CO2 saturation, Srco2 (%)

9A

81.9

12A

67.9

13A

72.3

14A

73.5
Moreover, to establish the relative permeability curve using Darcy’s Law it was required

to measure the volume of CO2 produced, yet the volume was not recorded due to the unavailability
of the gasometer. Therefore, it was proposed to use the Brooks-Corey model to identify the brine
and CO2 relative permeability. Power Law function which is similarly Brooks–Corey model, was
used to obtain the relative permeability curves. Equation 6 describes the power-law function of
the Brooks-Corey model (Kim et al., 2018).

𝐾𝐾𝑟𝑟𝑟𝑟 = (𝑆𝑆𝑒𝑒 )𝑁𝑁𝑤𝑤 and 𝐾𝐾𝑟𝑟𝑟𝑟𝑟𝑟2 = (1 − 𝑆𝑆𝑒𝑒 )𝑁𝑁𝑐𝑐𝑐𝑐2

(6)

Where Krw is the brine relative permeability and Krco2 is the CO2 relative permeability
in Milli darcies. The saturation parameter (Se) was obtained using Equation 7. Nw and Nc are
exponent coefficients for water and CO2 respectively. The typical value of Nw and Nc used in
carbonate limestone reservoirs are 2.1 and 1.2 respectively (Kim et al., 2018).

𝑆𝑆𝑒𝑒 =

𝑆𝑆𝑙𝑙 −𝑆𝑆𝑟𝑟𝑟𝑟

𝑆𝑆𝑚𝑚𝑚𝑚𝑚𝑚 −𝑆𝑆𝑟𝑟𝑟𝑟

(7)

Where; Sl is liquid saturation, Srl is residual liquid saturation, and Smax is the maximum
liquid saturation.
Based on the relative permeability obtained for each sample, the carbon dioxide (gas)
relative permeability (Krco2) endpoint was identified at critical brine saturation. Obtain the
carbon dioxide (gas) relative permeability at the minimum saturation for the brine to become
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mobile. Figures 18 – 21 show the relative permeability curves for the four core samples.
Moreover, CO2 relative permeability endpoints were obtained using Petroleum Solution software
which provides comprehensive reservoir and EOR analysis. The endpoint value of carbon dioxide
(gas) relative permeability (Krco2) and different CO2 injection temperature were considered as
input data into the software. Based on the software run, the data obtained in each cumulative time
were: CO2 injection rate, water, and CO2 production rates, storage factor as well as CO2:Water
ratio. The results of the simulator runs are shown in Appendix C for each flooding test at different
temperatures. Moreover, Figures 22 – 24 represent the relationship between the rate, CO2 cut, and
cumulative time in days.
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Figure 18: Relative permeability curve for core sample 9A
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Figure 19: Relative permeability curve for core sample 12A
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Figure 20: Relative permeability curve for core sample 13A
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Figure 21: Relative permeability curve for sample 14A
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Figure 22: Production rate vs. cumulative time at 200℉
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Production Rate Versus Cumulative Time
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Figure 23: Production rate vs. cumulative time at 300℉
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Figure 24: Production rate vs. cumulative time at 350℉

4.3 CO2 Storage Factor
Reservoirs can be used for large-scale CO2 storage to reduce greenhouse gas released into
the atmosphere. Underground storage is the easiest and cheapest mitigation strategy taken for CO2
disposal. Rock properties affect the storage of CO2 in the formation. Rock formation void space
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should provide the capacity to store CO2 underground. Also, formation passage allows CO2 to
spread within the formation at the injected rate. Other factors could also affect the storage of CO2
underground. Therefore, using CO2 relative permeability endpoints obtained through the BrooksCorey model, multiple simulation runs were conducted to determine the effect of temperature, gas
specific gravity, and brine viscosity on CO2 storage factor. Using Equation 8, CO2 pore volume
injected was calculated for each case scenario so that conclusions can be drawn.

𝐶𝐶𝐶𝐶2 𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣 𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖 (𝑓𝑓𝑓𝑓 3 ) =

𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶 𝐶𝐶𝐶𝐶2 𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖 (𝑏𝑏𝑏𝑏𝑏𝑏)
𝑃𝑃𝑃𝑃𝑃𝑃𝑃𝑃 𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣𝑣 (𝑓𝑓𝑓𝑓 3 )

(8)

4.3.1 Temperature
Petroleum solution software was used to carry out CO2 flooding of an aquifer run to illustrate the
relationship between CO2 pore volume injected and CO2 storage factor. Using the obtained CO2
relative permeability endpoints, the temperature effect on the CO2 storage factor was obtained at
three different temperatures: 200, 300, and 350. Figures 25 – 27 show the relationship between
CO2 pore volume injected and CO2 storage factor at different temperatures. In addition, as shown
in Figures 28 – 29 the maximum obtained CO2 storage factor was plotted for different
temperatures as well as the CO2 storage factor at breakthrough.
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CO2 Storage Factor Vs. Pore Volume Injection
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Figure 25: CO2 storage factor versus pore volume injected for 200℉
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Figure 26: CO2 storage factor versus pore volume injected for 300℉
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CO2 Storage Factor Vs. Pore Volume Injected
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Figure 27: CO2 storage factor versus pore volume injected for 350℉
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Figure 28: Maximum CO2 storage factor at each temperature
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CO2 Storage At Breakthrough Vs. Temperature
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Figure 29: CO2 storage factor at breakthrough at each temperature

4.3.2 Initial Gas Saturation
The effect of free hydrocarbon gas saturation that might exist in brine formations will be
studied in this section. CO2 flooding of aquifer runs was carried out at different gas saturation
(Sgi) using the CO2 relative permeability endpoints. Therefore, the CO2 pore volume injected was
calculated based on the results of the computer runs for each initial hydrocarbon gas saturation
employed in this study. Figures 30 – 33 show the relationship between the pore volume of CO2
injected and the CO2 storage factor. Also, Figures 34 – 35 demonstrate the maximum storage
factor as well as the CO2 storage factor at breakthrough for each selected initial HC gas saturations
condition.
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CO2 storage factor (fraction)
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Figure 30: CO2 storage factor versus pore volume of CO2 injected for Sgi = 2%
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Figure 31: CO2 storage factor versus pore volume injected for Sgi = 5%
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CO2 Storage Factor Vs. Pore Volume Injected
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Figure 32: CO2 storage factor versus pore volume injected for Sgi = 8%
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Figure 33: CO2 storage factor versus pore volume injected for Sgi = 10%
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Maximum CO2 Storage Factor Vs. Gas Specific Gravity
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Figure 34: Maximum CO2 storage factor at each initial HC gas saturation

CO2 Storage Factor At Breakthrough Vs. Gas Specific
Gravity

25.00%

CO2 storage factor (fraction)

CO2 storage factor (fraction)

0.51

20.00%
15.00%
10.00%
5.00%
0.00%

2

5

8

10

Gas specific gravity (fraction)
Figure 35: CO2 storage factor at breakthrough at each HC initial gas saturation
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4.3.3 Brine Viscosity
Four different brine viscosities were selected to generate software CO2 flooding of an
aquifer run using CO2 relative permeability endpoints. CO2 pore volume injected was calculated
for four different brine viscosities to determine the relationship between brine viscosities on CO2
storage factor as shown in Figures 36 – 39. Additionally, to demonstrate the effect of brine
viscosity on the CO2 storage factor, the maximum storage factor, as well as the CO2 storage factor
at breakthrough for each brine viscosity, are shown in Figures 40 – 41.
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Figure 36: CO2 storage factor versus pore volume injected for 0.1 cp brine viscosity
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Figure 37: CO2 storage factor versus pore volume injected for 0.15 cp brine viscosity
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Figure 38: CO2 storage factor versus pore volume injected for 0.2 cp brine viscosity
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CO2 Storage Factor Vs. Pore Volume Injected
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Figure 39: CO2 storage factor versus pore volume injected for 0.25 cp brine viscosity
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Figure 40: Maximum CO2 storage factor at each brine viscosity
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CO2 Storage Factor At Breakthrough Vs. Brine Viscosity
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Figure 41: CO2 storage factor at breakthrough at each brine viscosity
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Chapter 5: Discussion
In this section of the report, a detailed discussion will be provided including the capillary
pressure curves, pore size distribution, production rates, and the effect of CO2 storage factor on
temperature, gas saturation, and brine viscosity.
5.1 Capillary Pressure and Pore Size Distribution
Figures 10 – 13 show results of the capillary pressure curve for a drainage brine-air
process. The capillary pressure relationship is for primary drainage in which the wetting phase
(brine) is decreasing from its initial saturation value of 100%. Therefore, the main objective of
the capillary pressure curve is to obtain the irreducible water saturation in a rock. This is because
it is essential to understand the saturation distribution in the reservoir and the effect of multiphase
flow in the rock. Capillary pressure depends on the pore throat size which is related to the grain
size and permeability. Rocks have a distribution of pore throat sizes, the bigger the pore size, the
lower the capillary pressure (Tiab & Donaldson, 2012).
As shown in Table 6, the irreducible water saturation for each sample was obtained from
the capillary pressure curve - drainage process.

Table 6: Irreducible water saturation obtained from porous plate experiment
Core Sample ID

Irreducible water saturation, Swirr (fraction)

9A

0.170

12A

0.180

13A

0.254

14A

0.186

To assess the capillary pressure results obtained through Porous Plate Technique. Pore
throat size distribution calculation was conducted using the capillary pressure data for air
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displacing water. As mentioned earlier, the objective is to understand the fluid transport in porous
media. Table 7 shows the pore throat size distribution that can be achieved at irreducible water
saturation. As shown, sample 9A is the lowest since it has the lowest permeability (28 mD)
compared to other rock samples. Whereas, core sample 14A shows the maximum pore throat size
distribution which has the highest permeability across all samples; 64.08 mD. To support the
results of the pore throat size distribution, it is found that as the permeability increases or improved
the pore throat size distribution increases. Moreover, any reduction in permeability due to clay
swelling, precipitation of organic or inorganic material in porous media can affect the pore size
distribution.

Table 7: Pore throat size distribution results
Core Sample ID

Pore throat size distribution @ Swirr (m2)

9A

0.293

12A

0.314

13A

0.408

14A

0.445

5.2 CO2 Flooding Analysis
The data of core flood experiments are analyzed to determine the endpoints of Krco2. The
relative permeability of carbon dioxide is around 0.85 mD for a reduction in CO2 saturation from
1.0 to 0.67 on average for all four core samples. The relative permeability of CO2 increased with
the decrease in water saturation. The change in relative permeability of CO2 endpoints was not
relatively significant; a slight change can be seen. Through simulations, the endpoints of Krco2 for
three samples at different temperatures were used to represent the relationship between
cumulative time, production rates, CO2 injection rate, and CO2 cut. The results of the simulation
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run for each sample showed as the temperature increases, a relative increase in brine production
rate. Hence, after the CO2 breakthrough, as the CO2 cut increases, the brine production drops
dramatically and the CO2 production rate increases with time. CO2 flooding was conducted at
different temperatures and pressure was kept constant. As shown in the flooding test that was
conducted at 350, a sharp increase in brine production rate is achieved. The lowest brine recovery
was at 200. However, only 50 differences in temperature led which led to a slight increase in brine
production rate between 300 and 350. To analyze the performance of brine production rate at a
different temperature, the effect of temperature on CO2 can be explained. typically, both CO2
solubility in the brine system, as well as the viscosity of brine, have a great impact on the CO2Brine system. The solubility of CO2 in the brine system decreases as the temperature increases.
This is mainly related to the brine salinity; as the sodium chloride (NaCl) concentration increases
in the brine system, the number of water molecules that will interact with the CO2 solution will
decrease. Therefore, the solubility of CO2 depends as well on the salinity of the brine; the higher
the brine salinity, the lower the CO2 solubility in brine. Moreover, the temperature has a
significant impact on the viscosity of the brine. As the temperature increase, the viscosity of brine
decreases. Fluid viscosity is affected by heat, so at high temperatures, the fluid viscosity will
decrease. The thermal effect can improve the mobility of the fluid as the viscosity is decreased.
5.3 CO2 Storage Factor
Based on the results obtained from simulation runs to determine the effect of CO2 storage
on temperature, gas saturation, and brine viscosity conclusions are drawn below.
The first factor that was studied is temperature. As shown from the results, at high
temperatures, more CO2 pore volume is injected so the CO2 storage factor increases. As shown, as
the temperature increases a significant increase in CO2 storage factor is achieved. Contribution of
thermal effects in which CO2 expands as pressure decreases with depth. Variation in gas saturation
had a minor effect on the CO2 pore volume injected and CO2 storage factor. Despite the minor
change, Figure 34 shows that, as the gas saturation decreases, CO2 storage capacity increases. The
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last factor that was demonstrated is brine viscosity. As shown from the results, as the bine
viscosity increases, the CO2 pore volume injected decreases, and the CO2 storage factor decreases.
Therefore, less volume of CO2 will be occupied in the reservoir. Also, as shown in Figure 40, the
CO2 storage capacity decreases gradually as the brine viscosity increases.
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Chapter 6: Conclusions and Recommendations
6.1 Summary
A supercritical CO2 flooding experiment was conducted to investigate the effect of
temperature change at different brine salinity on the carbon dioxide storage factor. Four selected
carbonate – limestone core samples were initially saturated with 100% brine at different brine
salinity. The CO2 core flooding experiments were conducted on the four core samples at constant
injection pressure (1270 psi). The temperature of the tested system was varied.
Capillary pressure and relative permeability results were obtained to understand the effect
of temperature and brine salinity on the storage capacity of carbon dioxide in a brine aquifer.
6.2 Conclusion
The results of carbon dioxide flooding of a selected aquifer revealed that the CO2 storage
capacity increases as temperature increases due to thermal effects. Whereas, as the gas saturation
increases the storage capacity of the selected zone decreases. In addition to that, the flooding runs
indicated that relatively high viscosity brine aquifer hider the CO2 storage capacity of the
reservoir.
6.3 Recommendations
Based on the results of the experiment it is recommended to conduct further future work
as follows:
1. Investigate the effect of injection pressure on the saline aquifer CO2 storage capacity.
2. Study the interfacial tension effect between the CO2 -brine system.
3. Use core samples with wide differences in porosity and permeability to have a better
understanding of the flow mechanism.
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Appendices

Appendix A
-

Results of Porous Plate Experiment
Table 8: Capillary pressure results for core sample 9A

Step
0
1
2
3
4
5
6
7
8
9
10
11
12
13
14
15

Date

4/12/21
4/25/21
4/29/21
5/10/21
5/23/21
5/27/21
6/3/21
6/9/21
6/16/21

Pressure [psig] Weight after each
step [g]

Sw (%)

0
3
6
13
19
31
48
71
96
106

100.0
56.6
35.8
31.4
30.6
25.2
21.3
18.2
17.6
17.0
0.0
0.0
0.0
0.0
0.0
0.0

139.140
136.350
135.010
134.730
134.680
134.330
134.080
133.880
133.840
133.800

Table 9: Capillary pressure curve for core sample 12A
Step
0
1
2
3
4
5
6
7
8
9
10
11
12
13
14
15

Date
4/12/21
4/25/21
4/29/21
5/10/21
5/23/21
5/27/21
6/3/21
6/9/21
6/16/21

Pressure
[psig]
0
3
6
13
19
31
48
71
96
106

Total Weight after
each step [g]
137.000
135.140
133.820
133.550
133.330
133.170
132.990
132.890
132.860
132.840

Sw (%)
100.0
63.3
37.3
32.0
27.6
24.5
20.9
18.9
18.3
17.9
0.0
0.0
0.0
0.0
0.0
0.0
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Table 10: Capillary pressure curve for core sample 13A
Step
0
1
2
3
4
5
6
7
8
9
10
11
12
13
14
15

Date

4/12/21
4/25/21
4/29/21
5/10/21
5/23/21
5/27/21
6/3/21
6/9/21
6/16/21

Pressure
[psig]

Total Weight after
each step [g]

Sw (%)

0
3
6
13
19
31
48
71
96
106

139.770
139.390
137.900
137.630
137.470
137.260
137.110
136.960
136.970
136.950

100.0
89.9
50.5
43.4
39.2
33.6
29.6
25.7
25.9
25.4
0.0
0.0
0.0
0.0
0.0
0.0

Table 11: Capillary pressure curve for core sample 12A
Step
0
1
2
3
4
5
6
7
8
9
10
11
12
13
14
15

Date

4/12/21
4/25/21
4/29/21
5/10/21
5/23/21
5/27/21
6/3/21
6/9/21
6/16/21

Pressure
[psig]

Total Weight after
each step [g]

Sw (%)

0
3
6
13
19
31
48
71
96
106

135.370
134.710
132.810
132.320
131.990
131.760
131.560
131.350
131.330
131.310

1
0.867735471
0.486973948
0.388777555
0.322645291
0.276553106
0.236472946
0.194388778
0.190380762
0.186372745
0
0
0
0
0
0
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Appendix B
-

Pore throat size distribution results
Table 12: Pore throat size distribution results for core sample 9A

PV (cm3)

6303.922

(dS/dP) psia

Pressure (psia)

Ri (microns)

D(ri), cm2

D(ri), m2

14.53929497
14.63144798
14.69384075
14.69875184
14.6954488
14.69771293
14.69864764
14.69975117
14.69937792

17.4
20.4
27.51
33.7
45.7
62.7
85.7
110.7
120.7

8.275862069
7.045009785
5.234460196
4.267931239
3.150984683
2.296650718
1.680280047
1.300813008
1.193040597

418360.3378
494568.1087
668472.9351
820131.41
1110598.195
1523965.764
2083128.738
2691011.249
2934027.195

0.041836034
0.049456811
0.066847294
0.082013141
0.111059819
0.152396576
0.208312874
0.269101125
0.293402719

Table 13: Pore throat size distribution results for core sample 12A
PV (cm3)

3375

(dS/dP) psia

Pressure (psia) Ri (microns)

D(ri), cm2

D(ri), m2

14.56412448
14.6143569
14.69246755
14.69303491
14.69736136
14.69791159
14.69914244
14.69976331
14.69960552

17.4
20.4
27.5
33.7
45.7
62.7
85.7
110.7
120.7

448847.132
529084.9701
715896.3606
878054.3783
1189653.252
1632254.955
2231195.598
2882191.194
3142518.003

0.044884713
0.052908497
0.071589636
0.087805438
0.118965325
0.163225495
0.22311956
0.288219119
0.3142518

8.275862069
7.045009785
5.234460196
4.267931239
3.150984683
2.296650718
1.680280047
1.300813008
1.193040597
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Table 14: Pore throat size distribution results for core sample 13A
PV (cm3)

4377.192982

(dS/dP) psia

Pressure
(psia)

Ri (microns)

D(ri), cm2

D(ri), m2

14.662767
14.57033556
14.68989695
14.69320577
14.69535489
14.69766573
14.69827467
14.70010582
14.6994709

17.4
20.4
27.5
33.7
45.7
62.7
85.7
110.7
120.7

8.275862069
7.045009785
5.234460196
4.267931239
3.150984683
2.296650718
1.680280047
1.300813008
1.193040597

586381.0124
684486.9343
928803.9568
1139400.37
1543515.503
2118022.767
2895088.86
3740096.426
4077779.049

0.058638101
0.068448693
0.092880396
0.113940037
0.15435155
0.211802277
0.289508886
0.374009643
0.407777905

Table 15: Pore throat size distribution results for core sample 14A
PV (cm3)

4783.018868

(dS/dP) psia

Pressure (psia)

Ri (microns)

D(ri), cm2

D(ri), m2

14.65101314
14.5747495
14.68611084
14.68938487
14.69614614
14.69764234
14.69817025
14.69983968
14.6995992

17.4
20.4
27.5
33.7
45.7
62.7
85.7
110.7
120.7

8.275862069
7.045009785
5.234460196
4.267931239
3.150984683
2.296650718
1.680280047
1.300813008
1.193040597

640232.9522
748174.8542
1014655.255
1244714.661
1686711.396
2314388.874
3163480.871
4086780.723
4455884.043

0.064023295
0.074817485
0.101465525
0.124471466
0.16867114
0.231438887
0.316348087
0.408678072
0.445588404
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Appendix C
-

Experimental CO2 Flooding Test

Table 16: CO2 flooding test for sample 9A
CO2 flooding conditions
Temperature
(F):
150
Over burden
pressure (psi):
2500
Injecting
pressure (psi):
1270
Back Pressure
(psi):
1200
CO2 flooding test
Tube no.

Time (sec)

Water
volume (cc)

Water in place
(cc)

Sw
(%)

Sco2
(%)

Sco2

1

60

0.9

5.40

85.7

14.3

0.143

2

60

1

4.40

69.9

30.1

0.301

3

60

0.8

3.60

57.2

42.8

0.428

4

60

0.7

2.90

46.1

53.9

0.539

5

60

0.9

2.00

31.8

68.2

0.682

6

60

0.6

1.40

22.3

77.7

0.777

7

60

0.2

1.20

19.1

80.9

0.809

8

60

0.05

1.15

18.3

81.7

0.817

9

60

0.01

1.14

18.1

81.9

0.819

10

600

0.001

1.14

18.1

81.9

0.819
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Table 17: CO2 flooding test for sample 12A
CO2 flooding conditions
Temperature (F): 200
Over burden
pressure (psi):
2500
Injecting pressure
(psi):
1270
Back Pressure
(psi):
1200
CO2 flooding test
Time
Tube no.
(sec)
1
60
2
60
3
60
4
60
5
600
6
600
7
600
8
600
9
600
10
1200

Water volume
(cc)
1
0.9
0.9
0.2
0.2
0.01
0.01
0.01
0.01
0.01

Water in place
(cc)
3.78
2.88
1.98
1.78
1.58
1.57
1.56
1.55
1.54
1.53

Sw
(%)
79.1
60.3
41.5
37.3
33.1
32.9
32.7
32.5
32.3
32.1

Sco2
(%)
20.9
39.7
58.5
62.7
66.9
67.1
67.3
67.5
67.7
67.9

Sco2
0.209
0.397
0.585
0.627
0.669
0.671
0.673
0.675
0.677
0.679

Table 18: CO2 flooding test for sample 13A
CO2 flooding conditions
Temperature (F): 250
Over burden
pressure (psi):
2500
Injecting pressure
(psi):
1270
Back Pressure
(psi):
1200
CO2 flooding test
Tube no.
1
2
3
4
5
6
7
8

Time (sec)
60
60
60
60
600
600
600
600

Water volume
(cc)
0.9
0.9
0.6
0.01
0.01
0.01
0.01
0.001

Water in
place (cc)
2.48
1.58
0.98
0.97
0.96
0.95
0.94
0.93

Sw (%)
73.3
46.7
28.9
28.6
28.3
28.0
27.7
27.7

Sco2
(%)
26.7
53.3
71.1
71.4
71.7
72.0
72.3
72.3

Sco2
0.3
0.5
0.7
0.7
0.7
0.7
0.7
0.7
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Table 19: CO2 flooding test for sample 14A
CO2 flooding conditions
Temperature (F):
300
Over burden
pressure (psi):
2500
Injecting pressure
(psi):
1270
Back Pressure
(psi):
1240
CO2 flooding test
Time
Tube no.
(sec)
1
60
2
60
3
60
4
60
5
60
6
60
7
60
8
600
9
600
10
600
11
600
12
600
13
600
14
600
15
600

Water
volume (cc)
0.9
1
0.9
0.9
1
0.6
0.2
0.1
0.1
0.1
0.1
0.1
0.1
0.1
0.001

Water in
place (cc)
7.54
6.54
5.64
4.74
3.74
3.14
2.94
2.84
2.74
2.64
2.54
2.44
2.34
2.24
2.24

Sw (%)
89.3
77.5
66.8
56.2
44.3
37.2
34.8
33.6
32.5
31.3
30.1
28.9
27.7
26.5
26.5

Sco2
(%)
10.7
22.5
33.2
43.8
55.7
62.8
65.2
66.4
67.5
68.7
69.9
71.1
72.3
73.5
73.5

Sco2
0.107
0.225
0.332
0.438
0.557
0.628
0.652
0.664
0.675
0.687
0.699
0.711
0.723
0.735
0.735
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Th objective of this paper is to perform laboratory measurements and CO2
underground storage study. The results of both CO2-brine flooding experiment
and simulations that were conducted to understand the effect of brine viscosity,
temperature, gas saturation. The results showed that CO2 storage capacity
increases as temperature increases. Yet, the presence of free gas has a negative
effect on storage factor. Moreover, the CO2 storage factor decreases gradually
as the brine viscosity increases.
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